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Factors controlling prolific gas production from low-permeability sandstone reservoirs: Implications for resource assessment, prospect development, and risk analysis Keith W. Shanley, Robert M. Cluff, and John W. Robinson
A B S T R A C T
Low-permeability reservoirs from the Greater Green River basin of southwest Wyoming are not part of a continuous-type gas accumulation or a basin-center gas system in which productivity is dependent on the development of enigmatic sweet spots. Instead, gas fields in this basin occur in low-permeability, poor-quality reservoir rocks in conventional traps. We examined all significant gas fields in the Greater Green River basin and conclude that they all occur in conventional structural, stratigraphic, or combination traps. We illustrate this by examining several large gas fields in the Greater Green River basin and suggest that observations derived from the Greater Green River basin provide insight to low-permeability, gas-charged sandstones in other basins. We present evidence that the basin is neither regionally gas saturated, nor is it near irreducible water saturation; water production is both common and widespread. Lowpermeability reservoirs have unique petrophysical properties, and failure to fully understand these attributes has led to a misunderstanding of fluid distributions in the subsurface. An understanding of multiphase, effective permeability to gas as a function of both varying water saturation and overburden stress is required to fully appreciate the controls on gas-field distribution as well as the controls on individual well and reservoir performance. Low-permeability gas systems such as those found in the Greater Green River basin do not require a paradigm shift in terms of hydrocarbon systems as some have advocated. We conclude that low-permeability gas systems similar to those found in the Greater Green River basin should be evaluated in a manner similar to and consistent with conventional hydrocarbon systems.
INTRODUCTION
With demand for efficient, environmentally clean sources of energy increasing, attention is sharply focused on natural gas resources. In North America, much of this attention is directed at those unconventional resources (e.g., Law and Curtis, 2002) , commonly referred to as basin-centered or continuous gas accumulations. This focus reflects (1) the very large resource estimates assigned to these targets, (2) the perception that they are associated with high probable success rates ( > 50% chance of technical recovery), and (3) the perception that the driving forces required to bring these resources to market are improvements in drilling and completion technologies, higher product prices, and improved land access. Because of the large volume of gas resources attributed to these types of accumulations, they are of interest not only to the upstream portions of the oil and gas industry but also to the gas-transmission industry as well as public policy entities charged with developing national energy policy and strategies for appropriate land-use management.
Natural gas is found in both conventional traps and as continuous gas accumulations. Conventional traps are reasonably well understood; they may be structural, stratigraphic, or a combination of the two and are associated with seals that trap gas migrating under buoyancy. Continuous-gas accumulations, by contrast, are relatively poorly understood. They are thought to lack seals or traps, the role of buoyancy is thought to be diminished, and they are commonly referred to as unconventional resources, although the meaning of the term unconventional varies with time and perspective. Continuous-gas accumulations are regional in extent and are thought of as large single fields having spatial dimensions equal to or exceeding those of plays (Schmoker, 1995) . Coalbed methane is perhaps the most widely known and best understood type of continuous gas accumulation.
In many of the Rocky Mountain basins of the western United States, natural gas accumulations in low-permeability sandstones are associated with widespread gas shows while drilling, a lack of associated water production, and, as a result, have come to be regarded as continuous accumulations. Although gas shows are common, the productivity of wells drilled in these settings varies dramatically. This has led to the suggestion that there are localized areas with more favorable rock properties, sweet spots, or that variations in drilling and completion technology account for the productivity variability.
A C K N O W L E D G E M E N T S
The ideas expressed in this paper have emerged over many years of trying to better understand tight-gas reservoirs and a near-constant interchange of ideas among the authors. K.W. Shanley acknowledges the contribution of Lee T. Shannon (Anadarko Production Co.) to many of the ideas expressed in this paper. Conversations with Lee regarding the nature of tight gas date back to 1981 when both the senior author and Lee Shannon were graduate students at the Colorado School of Mines. Those conversations have continued to the present. In addition, K.W. Shanley benefited from several people at BP, where exposure to tight-gas data sets had a profound impact. Peter Jordan, Mike Short, Kate Hadley, and Hunter Rowe provided management support of joint projects between business units and the Technology Group. Alan Skorpen, Todd Stephenson, and Mike Bowman provided guidance and support within the Technology Group. Insights into low-permeability reservoirs were gained through discussions with many, including Jack Thomas, Robert Lengerich (now deceased), Dennis Cox, Bill Hanson, and Kirk Hird. In terms of understanding the risks associated with tight-gas decisions, conversations with Peter Carragher were instrumental. Since leaving BP, conversations with Alan Byrnes (Kansas Geological Survey), Sue Cluff (The Discovery Group), Bob Coskey (Platte River Associates), John Dacy (Core Laboratories, Houston, Texas), Tom Feldkamp (Kerr McGee, Denver, Colorado), Jack Thomas (Consultant and AAPG, Tulsa, Oklahoma) , and Mihai Vasilache (SCAL Inc., Midland, Texas) have been instrumental. Alan Byrnes provided data on relative permeability, and Dan Soeder (U.S. Geological Survey, Baltimore, Maryland) and Shirley Dutton (Texas Bureau Economic Geology, Austin, Texas) provided photographs of various pore types. Discussions with Peter McCabe and Don Gautier (U.S. Geological Survey, Denver, Colorado) and AAPG reviewers Lee Billingsley, Lee Krystinik, Kent Bowker, and John Lorenz helped to further focus this paper.
This paper critically examines concepts surrounding basin-centered gas systems and challenges the hypothesis that many of the gas accumulations associated with low-permeability sandstones in the Rocky Mountain region are continuous-type accumulations. Gas accumulations in many of these low-permeability reservoirs occur in conventional traps, and considerations of reservoir, trap geometry, and seal are critical elements. Detailed investigation of multiphase permeability at in-situ conditions has reinforced our view that petrophysical behavior of low-permeability reservoirs deviates substantially from traditional concepts. This understanding of trap and petrophysics explains phenomena such as the apparent juxtaposition of water-bearing and gas-bearing strata, the lack of well-defined gas-water contacts, the lack of widespread produced water, subtle variations in gas/water ratios, and dramatic variations in well productivity over short distances, all of which are common in basin-centered or continuous-type gas accumulations. If these low-permeability gas accumulations are in conventional traps, as we suggest, current assessments of such areas may have substantially overestimated the natural gas resource. Low-permeability settings similar to those found in the Rocky Mountain region contain substantial amounts of gas; however, the fundamental elements of low-permeability reservoirs lead to a greater degree of risk associated with exploration and development of this type of resource than has been widely recognized to date.
To properly frame this discussion, we examine previous work on low-permeability gas systems, in particular the assumptions that led to the development of basin-centered gas concepts. We review some of the underlying petrophysical concepts and offer additional insights based on our own work. We examine the controls on existing fields in the Greater Green River basin (GGRB) (Figure 1 ) and review several large gas fields as well as a recent exploration program in the GGRB. Finally, we discuss the implications of this work for resource assessments and risk analysis.
REVIEW OF LOW-PERMEABILITY BASIN-CENTERED CONCEPTS

Present Status and Understanding
Over the last 25 yr, basin-centered or continuous-type gas accumulations have come to be regarded as a distinct hydrocarbon system with unique characteristics distinct from conventional oil and gas accumulations (e.g., Masters, 1979 Masters, , 1984 McPeek, 1981; Law and Dickenson, 1985; Spencer, 1987 Spencer, , 1989 Law and Spencer, 1993, in press; Surdam, 1997a; Law, 2000 Law, , 2002a Schmoker, 2002) . The term basincentered has come to include gas systems variously referred to as deep-basin gas systems, tight-gas systems, and continuous-type gas systems. Although in this paper, we take issue with the notion of basin-centered gas, we use the term to refer to those systems that, upon initial review, appear to meet the criterion established by earlier researchers (e.g., Schmoker, 2002; Law and Spencer, in press ). Early descriptions of basin-centered gas had a concise list of attributes that characterized these gas systems (e.g., Masters, 1979) ; however, more recent work has recognized greater complexity and an ever-increasing number of exceptions (e.g., Schmoker, 1995 Schmoker, , 2002 Law, 2002a Law, , 2003 Law and Spencer, in press ). In many basin-centered accumulations, source rocks are thought to be in close physical proximity to reservoir rocks, and structural and stratigraphic traps, in the sense of conventional hydrocarbon systems, are thought to be of little importance (e.g., National Petroleum Council [NPC], 1980; Law and Spencer, 1993, in press; Surdam, 1997a; Schenk and Pollastro, 2002) . Table 1 summarizes the attributes commonly associated with basin-centered gas systems.
Commercial production of natural gas from these basin-centered gas accumulations is generally associated with areas described as sweet spots that have improved productivity and/or permeability (e.g., Billingsley and Reinert, 1994) . Surdam (1997a, p. 289) , for example, characterized sweet spots ''. . .as those reservoir rocks that are characterized by porosity and permeability values greater than the average values for tight sands at a specific depth interval.'' Because these reservoir rocks have low matrix permeability, it is widely perceived that commercial production is strongly dependent on the presence of open natural fractures and the ability to connect these natural fracture systems through hydraulic fracture stimulation (e.g., Spencer, 1989; Law and Spencer, 1993; Schmoker, 1995; Surdam 1997a; Popov et al., 2001 ). This has resulted in exploration strategies and research programs oriented to finding improved rock quality in the vicinity of natural fractures within supposed gas-saturated portions of sedimentary basins.
Development of Concepts
Regions of widespread apparent gas saturation in lowpermeability reservoirs received attention during the late 1960s and early 1970s, when nuclear-based explosives were used to fracture-stimulate low-permeability reservoirs in the Piceance and San Juan basins. An additional nuclear stimulation was contemplated on the Pinedale anticline, in the GGRB of southwest Wyoming; however, disappointing results in the Piceance and San Juan basin projects coupled with health and safety concerns caused the Pinedale project to be cancelled (e.g., Martin and Shaughnessy, 1969; Shaughnessy and Butcher, 1974; Law and Spencer, 1993) .
The first clear description of a low-permeability gas province in terms that are commonly associated with basin-centered systems is by Masters (1979) , who described the deep, gas-saturated Cretaceous sandstone reservoirs of western Alberta, the San Juan basin in New Mexico, and Wattenberg field in the Denver basin of Colorado (the term basin-centered likely originated with Rose et al., 1986) . Masters (1979) noted that the reservoirs in these basins had relatively low porosity and permeability (7 -15%, 0.15 -1.0 md), had moderate water saturations (34 -45%), and were located in the deeper portions of their respective basins. Masters (1979) also interpreted water-bearing strata structurally updip of gas-bearing strata. To describe the transition from gas to water, Masters (1979, p. 156 ) stated that ''. . .the water-saturated section grades imperceptibly through a transition zone 5 to 10 mi wide into a gas-saturated zone,'' and that ''. . .there is no evidence for a stratigraphic or structural barrier between the water and gas zones.'' Although the updip and downdip portions of the stratigraphic sections described by Masters (1979) are in broad lithostratigraphic continuity at the scale of geologic formations, more recent work in these basins has shown that individual fluvial sandstones and shallow-marine parasequences are not in stratal continuity across the entire basin. As a result, considerable stratigraphic complexity separates areas of water saturation from areas of hydrocarbon saturation. To explain the juxtaposition of water-bearing strata that were thought to lie updip of gas-saturated reservoirs, Masters (1979) introduced the concept of a water block in which the relative permeability to gas would dramatically deteriorate at higher water saturations, rendering the reservoir rock incapable of producing gas (Figure 2 ). The water block described by Masters (1979) essentially formed the updip seal on large basin-centered gas accumulations. These ideas concerning the development of a water block continue to the present time (e.g., Masters, 1984; Law and Dickenson, 1985; Spencer, 1985 Spencer, , 1989 Surdam 1997a; Law and Spencer, in press ). Importantly, Masters ' (1979) description of water block introduced the geologic community to the potential importance of understanding effective permeability and multiphase flow and indicated that a strong petrophysical understanding would be required to decipher these low-permeability reservoirs. Figure 1 . Regional map of the Greater Green River basin (GGRB), southwest Wyoming, outlining general structure and well locations. Locations of fields and key wells described in Table 3 and in the section titled ''Trapping Mechanisms in Low-Permeability Gas Accumulations'' are shown with numbered circles and squares. Form-line contours drawn on top of the Mowry, contour interval 2000 ft (610 m).
Detailed work in the GGRB of southwest Wyoming led Law et al. (1980 ), McPeek (1981 , Law and Smith (1986) , Law (1984) , Law and Dickenson (1985) , Spencer (1985 Spencer ( , 1987 Spencer ( , 1989 , Pawlewicz et al. (1986) , Spencer and Mast (1986) , and to suggest apparent relationships between thermal maturation of coal-bearing strata, elevated subsurface temperatures, the development of widespread areas of both anomalous pressure and gas saturation, and the development of low-permeability reservoir rock. A series of conceptual models were developed by Law and Dickenson (1985) and were more recently modified by Law (2000 Law ( , 2002a and Law and Spencer (in press ). These models suggest that connate waters are expelled during burial and diagenesis, and that maturation of source rocks in close proximity to low-permeability reservoirs results in elevated subsurface temperatures, abnormally high formation pressure, and regions of widespread, present-day gas saturation. McPeek (1981) and Spencer (1985 Spencer ( , 1987 Spencer ( , 1989 noted the apparent discrepancy between reservoir permeability measured in the laboratory (lower) and permeability calculated from well performance (higher). They suggested that natural fractures were critical to establishing economically significant production and offered that these fractures might arise from the thermal generation of natural gas. Law and Dickenson (1985) and Law (2002b) , among others, noted that water production is relatively uncommon in many lowpermeability accumulations and suggested that vast areas of gas-saturated rock are at irreducible water saturation reflecting active gas generation and expulsion of formation water. Spencer (1989) and Law and Spencer (1993) further elaborated on the early ideas of water block and suggested that because of the very low permeabilities associated with these gas accumulations, the lack of water production, and the presumption of large areas at irreducible water saturation, gas could not migrate by buoyancy. As a result, they suggested that gas accumulations would be widely distributed through the reservoir-bearing interval with no discrete gas-water contacts. Suggestions of large, gas-saturated regions coupled with the idea that buoyancy is an ineffective process led many authors to regard basin-center gas provinces as comprising a unique but poorly understood petroleum system.
Building on these paradigms, recent research has focused on the origin, geometry, and detection of areas with anomalous subsurface pressure, the detection of areas of increased natural fracture density, and understanding the impact of source rocks on accumulation type (e.g., Surdam, 1995 Surdam, , 1997a Surdam et al., 1995 Surdam et al., , 1997a Surdam et al., , b, 2000 Law, 2000 Law, , 2002b ARI, 2001; Boswell et al., 2002a, b) .
PETROPHYSICAL ATTRIBUTES OF LOW-PERMEABILITY RESERVOIRS
Understanding the differences in petrophysical behavior between traditional reservoirs and low-permeability reservoirs is critical to predicting and understanding reservoir performance in low-permeability gas systems. Low-permeability sandstone reservoirs in the United States (e.g., Dutton et al., 1993 Dutton et al., , 1995 Byrnes, 1997) are not dominated by ''immature, muddy sandstones with large volumes of diagenetically reactive detrital clay matrix, but rather are generally clean sandstones deposited in high-energy depositional settings whose Figure 2 . The concept of water block (Masters, 1979) has been used to explain how, within lithologically continuous units, downdip gas-bearing strata could be trapped by updip water-bearing strata. In this model, water effectively provides the updip seal. intergranular pores have been largely occluded by authigenic cements (mainly quartz and calcite)'' (Dutton et al., 1993, p. 5) . Despite a complex burial history, original depositional fabric continues to exert a strong control on productivity; those rocks that had more favorable porosity and permeability structure during deposition tend to remain the more attractive reservoir targets despite a complex burial and uplift history. Low-permeability reservoirs are characterized by high capillary entry pressures, high irreducible water saturations, low to moderate porosity, and low permeability (e.g., Arastoopout and Chen, 1987; Byrnes, 1997) . Table 2 summarizes petrophysical parameters commonly found in many low-permeability gas accumulations in the Rocky Mountain region. The vast majority of low-permeability gas reservoirs require hydraulicfracture stimulation to produce gas at economically acceptable rates.
Porosity and the Effect of Overburden Stress
Low-permeability reservoirs are a unique rock type with distinct properties that differentiate them from more traditional reservoir rocks (e.g., Soeder and Randolph, 1987; Spencer, 1989; Soeder and Chowdiah, 1990; Dutton et al., 1993 Dutton et al., , 1995 Byrnes, 1997 Byrnes, , 2003 Cluff et al., in press ). Soeder and Randolph (1987) and Dutton et al. (1993) suggested a threefold rock-type classification for low-permeability reservoirs. (1) The first type is sandstone with open intergranular pores and pore throats plugged by authigenic clay minerals. This pore structure is common in reservoirs with between 10-and 100-md permeability (md = microdarcy = 0.001 md = 10 À 6 darcy). (2) The second type is sandstone with highly altered primary pores occluded with authigenic cements (quartz or calcite). The majority of pores and pore throats are reduced to narrow slots connecting significant secondary pores created by grain dissolution (Dutton et al., 1993) . On a volumetric basis, most of the porosity in this pore structure occurs in secondary pores; however, flow paths are provided by the slot pores. This pore structure is by far the most common in low-permeability reservoirs and dominates those reservoirs with between 1-and 10-md permeability ( Figure 3 ). (3) The third type is muddy sandstone in which the intergranular volume is largely filled with detrital clay matrix, and porosity is dominated by microporosity. This pore structure is common in many rocks with less than 1 md permeability. This characterization contrasts with earlier studies that suggested low-permeability reservoirs were dominated by grain-supported primary porosity identical to more conventional reservoirs, but with pore throats plugged by authigenic clay minerals. The effect of increasing overburden stress on porosity in reservoir-quality low-permeability sandstones is small (Figure 4) . Byrnes (1997) , for example, found that routine helium porosity values measured at ambient conditions tend to be within 95% of those measured under in-situ conditions. Laboratory studies indicate that the majority of pore volume compression occurs with the first 2000 psi increase in net overburden with progressively less additional decrease in pore volume with increasing stress (Figure 4) . The minor response of pore volume to changes in confining stress in these low-permeability sandstones reflects the wellcemented, rigid framework common to most of these Hartmann and MacMillan (1992) and Hartmann and Beaumont (1999) .
rocks and the fact that the slot pores that do compress under stress make up a minor portion of the overall pore volume.
Permeability, Relative Permeability, and the Effect of Overburden Stress
Routine core analysis consists of permeability measurements taken at relatively low pressure (approximately 0-300 psia, commonly referred to as ambient conditions) and under single-phase conditions (100% gas saturation, 0% brine saturation). These data are commonly referred to as routine gas permeability (K g ), air permeability (K a ), or absolute permeability (K abs ) (in this article we will use K g to collectively refer to K g , K a , or K abs , unless otherwise noted). Although estimates of K g are routinely used to guide decision making, they do not occur in natural, subsurface settings (Byrnes, 1997) . In low-permeability sandstone reservoirs, in-situ, high-pressure permeabilities relative to a gas phase (K eg-at stress ) range from 10 to 10,000 times less than routine gas-permeability values (K g ) measured in a laboratory. This decrease is largely caused by the combined effects of gas slippage (Klinkenberg correction), confining stress, and partial brine saturation and its effect on effective permeability. Slippage, or Klinkenberg corrections (e.g., Bass, 1989) , accounts for the difference in gas behavior at low pressure, such as a laboratory, vs. high pressure, such as the subsurface. These corrections can reduce routine permeability measurements (K g ) by as much as a factor of 3 for samples with routine permeabilities (K g ) less than 1 d (Byrnes, 1997) . Permeability measurements that have been adjusted for slippage effects are commonly referred to as equivalent liquid permeability, K liq , K 1 , or K inf . Slippage effects are reasonably well understood and will not be considered further.
The differences in reservoir behavior between traditional sandstone reservoirs and low-permeability reservoirs are largely caused by the combined effects of overburden stress and partial brine saturation; we will discuss each in some detail. It is well established that low-permeability reservoirs experience a dramatic decrease in permeability (K g ) as a function of increasing overburden stress (e.g., Thomas and Ward, 1972; Byrnes et al. 1979; Jones and Owens, 1980; Dutton et al., 1993; Byrnes, 1997 Byrnes, , 2003 (Figure 4 ). Figure 4 illustrates that this effect is particularly pronounced for reservoirs with a K g (at ambient conditions) of 0.5 md or less. In a study of stress-dependent permeability, Davies and Davies (1999) compared unconsolidated high-porosity and high-permeability sands with low-permeability gas sandstones. In unconsolidated sand reservoirs, the greatest reduction in permeability as a function of increasing stress occurs in those sands with the highest initial values of porosity and permeability. In low-permeability sandstones, however, the greatest response to increasing overburden stress occurred where porosity and permeability were dominated by slot pores and pore throats. Byrnes and Keighin (1993, reported in Byrnes, 1997) reported that pore throats in low-permeability sandstones could decrease by 50-70% with increasing overburden stress. Because of the inverse relationship between stress and permeability, overpressured settings are characterized by improved permeability relative to normally or even subnormally pressured settings. This improved permeability reflects the reduction in effective stress because of increased formation pressures.
Although the vast majority of permeability data are routine measurements of K g , reservoir performance is governed by effective permeability at reservoir conditions, and an understanding of relative permeability behavior is critical. Effective permeability (K ei ) is defined as the permeability of a porous medium to a fluid in the presence of one or more additional fluids (K ei ; where i refers to water = K ew ; gas = K eg ; or oil = K eo ). Strictly speaking, relative permeability (K rw , K rg , K ro , where the subscripts ''w,'' ''g,'' and ''o'' refer to water, gas, and oil, respectively) is the ratio of the effective permeability to a fluid at a given saturation to the fluid Figure 4 . Plot of porosity and permeability at varying levels of net overburden stress illustrating the effect of overburden stress on porosity and permeability for 35 core samples. For each core sample, three levels of net overburden are shown: ambient conditions, 2000 psia overburden, and 4000 psia overburden. Samples with an ambient permeability of between 1 and 10 md experience a reduction in permeability by a factor of approximately 0.3 -0.5. Samples with an ambient permeability of less than 1 md may experience a reduction in permeability of as much as two orders of magnitude to less than 0.01 md. These data are from the Frontier Formation in the Moxa arch region of southwest Wyoming.
permeability at 100% saturation (e.g., Arps, 1964) . In practice, there is little consistency in the literature as to whether relative permeability is referenced to K g (100% gas saturation) or K liq (100% brine saturation), and in many cases, K rg is referenced to K g , whereas K rw is referenced to K liq . The relative permeability of a pore system depends on the nature of the fluids and their saturation, wettability, and the geometry of the pore system. The distribution of each phase at a particular saturation controls the flow of that phase irrespective of any others that are present (e.g., Almon and Thomas, 1991; Dullien, 1992) .
In low-permeability reservoirs, the impact of partial brine saturation and overburden stress on reservoir performance is dramatic. It is not unusual in lowpermeability reservoirs for effective permeability to gas at conditions of overburden stress (K eg-at stress ) to be one to three orders of magnitude less than routine permeability (K g ). Similarly, effective permeabilities to brine (K ew-at stress ) are such that for many low-permeability reservoirs, water is essentially immobile even at high water saturations. The relative permeability behavior of low-permeabilty reservoirs is such that traditional concepts surrounding critical water saturation (the water saturation at which water ceases to flow), critical gas saturation (the gas saturation at which gas begins to flow), and irreducible water saturation (the water saturation at which further increases in capillary pressure produce little to no additional decrease in water saturation) must be reexamined. Investigations of relative permeability to gas in low-permeability reservoirs illustrate that gas permeability decreases rapidly at water saturations above 40 -50% (e.g., Thomas and Ward, 1972; Byrnes et al., 1979; Jones and Owens, 1980; Walls, 1981; Walls et al., 1982; Smith, 1984; Byrnes, 1997 Byrnes, , 2003 Cluff et al., in press) , such that there is a wide range of water saturation over which both gas and water are virtually immobile (Figures 5, 6 ). Figure 5 , for example, offers a comparison of traditional reservoir behavior with low-permeability reservoir behavior. In a traditional reservoir, if we consider 2% relative permeability as a benchmark (i.e., Cluff et al., in press) , it is clear that there is relative permeability in excess of 2% to one or both fluid phases across a wide range of water saturation. In traditional reservoirs, critical water saturation and irreducible water saturation occur at similar values of water saturation. Under these conditions, the absence of widespread water production commonly implies that a reservoir system is at, or near, irreducible water saturation. In low-permeability reservoirs, however, we find that over a wide range of water saturation, there is less than 2% relative permeability to either fluid phase, and critical water saturation and irreducible water saturation occur at very different water saturation values. In these reservoirs, the lack of water production cannot be used to infer irreducible water saturation (Cluff et al., in press). In 1994 , A. Byrnes (2002 coined the term 'permeability jail' to describe the saturation region across which there is negligible effective permeability to either water or gas. Failure to fully understand these relationships has led to widespread misunderstanding as to how hydrocarbon systems are manifested in low-permeability reservoirs.
These effective permeability relationships suggest the following: (1) The lack of water production from low-permeability reservoirs does not imply that the rocks are at irreducible saturation; it simply implies that the water saturation is less than the critical water saturation. There is a large range of water saturations over which the low-permeability structure of the reservoir may preclude any significant permeability to either gas or water. (2) The steepness of the relative permeability to gas curve is such that small changes in brine saturation can result in significant changes in relative permeability. In the subsurface, this means that wells can be drilled very close to economic relative permeability, and yet not produce significant gas or, in a few cases, produce some formation water. (3) Regions where water saturations exceed 50% are unlikely to have significant permeability to gas. (4) The effective permeability behavior of these low-permeability rocks should be regarded as a fundamental, distinguishing rock property; it cannot be altered or overcome by drilling and completion technology. (5) Because of these effective permeability relationships, well tests have to be carefully examined before test results can be attributed to variability in rock permeability. Well tests that fail to produce fluids may be derived from reservoirs with identical porosity and permeability (K g ) as those where well tests produced significant volumes of gas. (6) Because low-permeability reservoirs have little to no effective permeability to gas at high water saturations, the gas that may be present at these higher water saturations should not be considered a resource. Failure to appreciate the unique behaviors of low-permeability reservoir rock with respect to effective permeability can lead to serious misconceptions and failure to appropriately understand subsurface information.
Capillary Pressure
Low-permeability reservoirs are commonly characterized by high to very high capillary pressures at relatively Figure 5 . Schematic illustration of capillary pressure and relative permeability relationships in traditional and low-permeability reservoir rocks. Critical water saturation (S wc ), critical gas saturation (S gc ), and irreducible water saturation (S wirr ) are shown. In traditional reservoirs, irreducible water saturation and critical water saturation are similar. In low-permeability reservoirs, however, irreducible water saturation and critical water saturation can be dramatically different. In traditional reservoirs, there is a wide range of water saturations at which both water and gas can flow. In low-permeability reservoirs, there is a broad range of water saturations in which neither gas nor water can flow. In some very low-permeability reservoirs, there is virtually no mobile water phase even at very high water saturations. moderate wetting-phase saturations. In many cases, wetting-phase saturations of 50% are associated with capillary pressures in excess of 1000 psia, suggesting that a large number of pore throats are less than 0.1 mm in diameter and are of the micro-to nanoscale (terminology of Hartmann and Beaumont, 1999) . The commonly used concept of irreducible saturation has limited utility, particularly in low-permeability reservoirs (e.g., Dullien, 1992) . In many low-permeability sandstone reservoirs, wetting-phase saturation continues to decrease with increasing capillary pressure (e.g., Dullien 1992; Cluff, 2002) . A more pragmatic approach involves calibration of capillary pressure to wetting-phase saturation at particular gas-column heights (e.g., Byrnes, 1997; Cluff, 2002) . Comparison of capillary pressure data from a wide range of low-permeability gas reservoirs in the GGRB suggests that gas-column heights required to achieve acceptable levels of effective permeability to gas or to achieve typical irreducible saturation levels range from 300 -450 to more than 1000 ft (90 -140 to more than 300 m).
Understanding fluid flow from the rock matrix into the wellbore or hydraulic fracture system is largely determined by an understanding of pore and porethroat geometry and its effect on multiphase flow. This has led to a rock-catalog approach to reservoir description, where macroscopic core observations are combined with petrographic and petrophysical information (both wireline and laboratory measurements) to gain insights to flow capacity and structure (e.g., Sneider et al., 1981 Sneider et al., , 1983 Sneider et al., , 1984 Hartmann and Coalson, 1990; Hartman and MacMillan, 1992; Gunter et al., 1997; Hartmann and Beaumont, 1999) . Fundamental to this approach is the assumption that an understanding of pore geometry directly relates to permeability (K g ) and, by implication, effective (K eg ) and relative permeability (K rg , K rw ) (e.g., Wells and Amaefule, 1985) . Capillary pressure measurements are commonly made to aid in understanding pore geometry and pore-throat distribution (e.g., Yuan and Swanson, 1986; Spencer, 1989; Vavra et al., 1992; Dutton et al., 1993) . Although there is a substantial body of literature that relates permeability and relative permeability to capillary pressure, the notion of a relatively straightforward relationship between capillary pressure and multiphase effective permeability has come under scrutiny (e.g., Rose, 1999) . Figure 6 . Plot of water saturation and relative permeability to gas (at overburden stress) for lowpermeability sandstone reservoirs from several Upper Cretaceous reservoir intervals in the Greater Green River basin of southwest Wyoming. Two data sets have been merged in this figure. Data from A. Byrnes are single-point measurements of relative permeability to gas at irreducible brine saturation at estimates of specific overburden stress (typically sample depth Â 0.5). Additional data are multipoint measurements of relative permeability to gas at varying water saturations at 4000 psi overburden stress. These data represent a wide range of rock types; however, despite this variation, sandstones with water saturations greater than approximately 50% have significantly reduced relative permeability to gas. Byrnes data set provided courtesy of A. P. Byrnes, Kansas Geological Survey.
Our own data suggest that although pore geometry and, hence, the rock-catalog approach may satisfactorily predict routine gas permeability (K g ), at ambient conditions, there can be considerable uncertainty in the prediction of both effective permeability to gas and relative permeability to gas at conditions of overburden stress particularly in low-permeability reservoirs. Figure 7 , for example, illustrates that for the range of water saturations that are commonly of interest in low-permeability reservoirs, there can be considerable variation in effective permeability to gas for reservoirs with similar calculated pore geometry and capillary pressure as measured at ambient conditions. Although additional work is required, we suggest that as pore geometry becomes increasingly complex and dominated by slot pores and sheetlike pore throats that are not well described by simple radii or cannot be regarded as a bundle of capillaries, fluid-flow properties deviate from classical theory, especially at increased overburden stress. Furthermore, capillary pressure measurements are normally recorded at ambient confining stress, whereas we have already discussed the extreme stress dependence of permeability in these reservoirs. Finally, it should be recognized that the capillary pressure data collected from samples largely reflect the pore and pore-throat distribution at the time of laboratory measurement. This may not be the pore and pore-throat distribution at the time of gas migration and charge. In basins such as the GGRB that have experienced considerable relative uplift and where gas migration and charge commenced before maximum burial was reached, it is likely that simple extrapolations of capillary pressure data to hydrocarbon-column heights and saturations will be misleading. These factors may explain the poor correlation that generally occurs between predictions of low-permeability reservoir behavior based on rock-catalog solutions vs. estimates of reservoir performance based on production logging (e.g., Al-Qarni et al., 2001). Core data from the Lewis Sandstone taken from two different wells in the Greater Green River basin; samples were selected for having similar porosity and permeability (K g ). These data illustrate the differences in relative permeability to gas at overburden for rocks that have similar capillary pressure functions and, therefore, calculated pore geometry. A rock-catalog approach would result in these three samples being classified as a single rock type, yet their performance is highly variable, particularly at water saturations greater than 25%. FWL = free-water level, NOB = net-overburden stress.
Fractures
The role of natural fractures in contributing to improved deliverability of natural gas in low-permeability, basin-centered accumulations is poorly understood. In many low-permeability reservoirs, it has been suggested that gas-flow rates cannot be accounted for with the available permeability to gas at in-situ conditions (e.g., Spencer, 1989; Ammer et al., 2000) , thereby requiring the contribution of significant fracture permeability. Observations such as these, coupled with the inherently low matrix permeability, have led to the widespread working hypothesis that sweet spots are heavily dependent on the development of a relatively dense network of natural fractures (e.g., McPeek, 1981; Spencer, 1985 Spencer, , 1987 Spencer, , 1989 Law and Spencer, 1993, in press; Ammer et al., 2000; Boswell et al., 2002b; Law, 2002b) . Although the argument in favor of natural fractures is well understood, actual documentation of natural fractures controlling deliverability is limited. In the Piceance basin and the San Juan basin, researchers have collected data supporting a positive correlation between improved gas deliverability and the local occurrence of natural fractures (e.g., Northrop, 1986; Lorenz, 1989, 1995; Lorenz and Finley, 1989; Raynolds and Pasternack, 1994; Harstad et al., 1995; Harstad and Teufel, 1998a, b; Al-Hadrami and Teufel, 2000) . In other basins, such as the GGRB, the role of natural fractures is much less clear. In general, studies in the GGRB have failed to establish a positive correlation between improved gas deliverability and the occurrence of natural fractures (e.g., Iverson and Surdam, 1995; Shaver and Towler, 1997; Sturm et al., 2000 Sturm et al., , 2001 Blakeney-DeJarnett et al., 2001, Horn and Schrooten, 2001) . Many of these studies conclude that primary depositional fabric is the predominant control on gas deliverability. Our own work has reached similar conclusions. In cases where geologic and petrophysical models of pore volume have been used as input to reservoir simulation and history matching, there has been little need to modify matrix values of porosity and permeability (that is, the introduction of fracture permeability) to achieve satisfactory results. We suggest that fractures associated with widely spaced joint sets, on a scale of several meters to tens of meters, are likely; however, dense fracture networks resulting in locally improved subsurface permeability are largely undocumented in the subsurface of the GGRB. Several studies have concluded that whereas the contribution of natural fractures to improved gas production is unclear, they do contribute to increased rates of water flow and may impact the placement of hydraulic fractures via stimulation methods. Furthermore, horizontal drilling programs in the GGRB that have deliberately targeted potential fractures as a means of boosting gas production have failed to establish positive results (e.g., Billingsley, 1994; Branagan, 1994; Iverson and Surdam, 1995; Blakeney-DeJarnett et al., 2001) . Natural fractures may enhance gas production if encountered in a structurally high position within a trap. If, however, fractures are encountered toward the base of a trap or outside of a trap, they are unlikely to improve gas production and may account for increased rates of water production.
Petrophysical Summary and Implications for Trapping Mechanisms
The widespread occurrence of gas shows while drilling and limited examples of produced water have led to a model of basin-centered gas in which large portions of a basin are interpreted as being at irreducible water saturation. Within this gas-saturated region, vast resources are thought to exist, and productivity is conceptually governed by the occurrence of sweet spots. With the expectation of little to no water and a large area at irreducible saturation, two essential strategies have evolved. First, there has been a focus on drilling and completion technology in the supposed gas-saturated region. This reflects an underlying assumption that lack of commercial production reflected poor drilling practices or ineffective stimulation. Second, there is the goal of finding better reservoir rock in the supposed gassaturated part of the basin, particularly areas of increased natural fractures. With the perspective that basin-centered regions are a unique type of hydrocarbon system, there has been comparatively little focus on understanding trapping elements and other more conventional aspects of the hydrocarbon system.
The most significant differences between conventional reservoirs and low-permeability reservoirs lie in the low-permeability structure itself, the response to overburden stress, and the impact that the lowpermeability structure has on effective permeability relationships under conditions of multiphase saturation (Cluff et al., in press ). Because of the effective permeability structure of most low-permeability reservoirs, there is a large range of water saturations over which both water and gas are essentially immobile. A lack of water production (or recovery from a test) should not be used to infer that the rocks are at, or near, irreducible water saturation nor should these regions be regarded as water free. Instead, low-permeability reservoirs rocks should be regarded as having insufficient permeability to either gas or water over a wide range of water saturations. Because these transition zones are commonly manifested by wells that fail to produce either gas or water, drilling activity rarely extends sufficiently far downdip to encounter the free-water level associated with a given gas accumulation. Our work suggests that a water phase is indeed present; however, in many areas, because of the effective permeability structure of the rocks, much of the water has limited mobility (e.g., Breit and Skinner, 2002; Cluff et al., in press ). Where water production in these low-permeability reservoirs occurs, it is commonly associated with slight improvements in reservoir quality or a loss in structural position. Figure 8 illustrates the differences encountered in drilling a low-permeability reservoir vs. a more traditional one.
Much of the literature suggests that basin-centered gas regions have little to no water production; however, we have not found that to be the case. Consideration of gas-water phase behavior at reservoir temperature and pressure (dew-point considerations) indicates that for the vast majority of Cretaceous reservoirs in the GGRB, the amount of water that can be accounted for as condensation in the gas stream ranges from less than 0.15 to 1.5 bbl water/mmcf gas. Water production in excess of 0.15-1.5 bbl water/mmcf gas reflects the production of free formation water. Figure 9 is a regional map of the GGRB illustrating water production across the basin. Close examination of many of the large field areas clearly indicates that there are large numbers of wells producing formation water, and that in many cases, the water content increases in a downdip direction. Figure 10 is a cumulative frequency plot illustrating the distribution of wells and overall gas production as a function of water/gas ratio. If water of condensation is benchmarked at 0.15 bbl water/mmcf gas, only 16% of the gas wells in the GGRB have gas/water ratios less than 0.15 bbl water/mmcf gas. These wells account for approximately 25% of the total gas production in the GGRB. If water of condensation is benchmarked at 1.5 bbl water/mmcf gas, approximately 35% of the gas wells in the GGRB have gas/water ratios less than 1.5 bbl water/mmcf gas. These wells account for approximately 56% of the total gas production in the GGRB. Irregardless of the benchmark, water production is both common and widespread in the GGRB.
The petrophysical data discussed here suggest that low-permeability gas reservoirs are not a unique petroleum system that somehow functions outside the physical laws described by buoyancy and capillary pressure. Instead, buoyancy and capillary response must be considered in light of burial and uplift history, overburden stress, and multiphase effective permeability. Examination of effective permeability to gas at varying water saturations and at stress for rocks with similar pore geometry suggests that the prediction of reservoir performance based on the similarity of pore geometry and capillary pressure alone should be reexamined. Our data show that as the overall rock quality degrades, the variability in effective permeability can be dramatic. The suggestion that low-permeability production sweet spots simply occur wherever slightly better rock properties can be located in a supposed gas-saturated portion of a basin is, in our opinion, without support. It is clear that low-permeability reservoirs are commonly comprised of a variety of rock types that are intercalated both vertically and horizontally. Some of these rock types have reservoir properties more akin to conventional reservoirs, whereas others are dominated by the low-permeability reservoir properties discussed in this paper. Interbedding of these rock types commonly results in confusing fluid relationships.
The petrophysical characteristics of low-permeability reservoirs described here are not confined to Cretaceous strata of the Rocky Mountain region. Byrnes and Castle (2000) compared reservoir properties in Paleozoic low-permeability reservoirs of the Appalachian basin with Cretaceous low-permeability reservoirs of Wyoming (largely from the GGRB) and found them to be virtually indistinguishable in terms of reservoir properties. As a result, it is likely that low-permeability reservoirs in general will exhibit reservoir behavior similar to those found in the GGRB.
TRAPPING MECHANISMS IN LOW-PERMEABILITY GAS ACCUMULATIONS: EXAMPLES FROM THE GGRB
The GGRB of southwest Wyoming is a prolific gas province. As of October 2002, the basin has produced approximately 10.5 tcf gas, 193 million bbl oil (11.7 tcf equivalent), and 84 million bbl water from approximately 7150 wells. Natural gas production occurs from reservoirs ranging in age from Pennsylvanian to Tertiary, with most of the gas production occurring from low-permeability reservoirs of Late Cretaceous age. Many of the low-permeability reservoirs are slightly to moderately overpressured (with respect to hydrostatic gradients), with pressure gradients (referenced to the surface) ranging from approximately 0.43 to as much as 0.85 psia/ft (9.793 to as much as 19.229 MPa/km). From the perspective of petroleum systems, the GGRB is a charge-rich basin with multiple source rock packages, including both marine and nonmarine source rocks. Reservoirs in the GGRB include deep-water turbidites and paralic and alluvial sandstones. Burial reconstructions suggest that gas migration from Cretaceous and younger sources commenced approximately 40-50 Ma (e.g., Hanson et al., 1994, in press; Burch and Cluff, 1997; Coskey, in press) , and that relative uplift of between 2000 and more than 8000 ft (610 and more than 2440 m) has occurred. Initial gas production in the GGRB was established in the early 1950s, and exploration and production operations continue to be Figure 8 . Schematic illustration highlighting relationships between capillary pressure, relative permeability, and position within a trap, as represented by map and cross section views. In both cases (A) and (B), the map illustrates a reservoir body that thins and pinches out in a structurally updip direction. The figure in (A) illustrates relationships found for a reservoir with traditional rock properties. In conventional reservoirs, water production extends downdip to a free-water level (FWL). In the middle part of the reservoir, both gas and water are produced, with water decreasing updip. The updip portion of the reservoir is characterized by waterfree production of gas. The figure in (B) illustrates relationships found for a reservoir with low-permeability reservoir properties. In lowpermeability reservoirs, significant water production is restricted to very low structural positions near the FWL. In many cases, the effective permeability to water is so low that there is little to no fluid flow at or below the FWL. Above the FWL, a wide region of little to no fluid flow exists. Farther updip, water-free gas production is found. Because of the wide region with little to no fluid flow, once drilling encounters the wide transition zone with virtually no fluid production, drilling uncommonly extends downdip to a true FWL. active today. Because of widespread gas production from low-permeability reservoirs, the GGRB has a rich and comprehensive database and has emerged as a classic basin-centered gas province.
In an attempt to better understand significant gas accumulations in the GGRB, we examined all fields producing from Tertiary and Cretaceous reservoirs with an expected ultimate recovery (EUR) greater than 50 bcf (Figure 1 ; Table 3 ) (EUR from Barlow et al., 1994) . We concluded that 100% of these fields occur in conventional traps. The cumulative production represented by the gas fields outlined in Table 3 accounts for more than 90% of all gas production from lowpermeability reservoirs in the GGRB (production volumes from Barlow et al., 1994) . Approximately 38% of the gas fields involve structural traps accounting for 50% of the gas production from the GGRB, 41% of the gas fields involve stratigraphic traps contributing some 30% of the gas production, and 21% of the fields occur in combination traps contributing approximately 20% of the gas production. Wells drilled outside of primary traps may record gas shows while drilling that are related to either (1) encountering extremely small stratigraphic traps, generally caused by thin, isolated fluvial sandstones in largely continental strata, (2) encountering low-saturation, residual gas in reservoirs that are in permeability jail (i.e., high water saturation), in which the process of drilling destroys the pore system allowing gas to be liberated, or (3) encountering gas in the pore system of shales that are juxtaposed with sandstone reservoirs.
To illustrate the range of trap styles, we briefly review four fields and discuss the results of a recent exploration program in the GGRB. It is not our intent to provide a detailed field study of each of these fields; for that, the reader is referred to the literature. Instead, our intent is to use these fields as typical examples of the types of traps that are both common and prolific gas producers and that illustrate the conventional nature of these low-permeability gas fields. We suggest that the insights gained from the GGRB can provide valuable analogs for other low-permeability reservoirs both within and outside the Rocky Mountain region.
Jonah Field
The initial wells in what is now Jonah field were drilled in 1986 and 1987; however, it was not until 1992 that significant development and production began to occur.
Jonah field is a fault-bounded, structural trap located in the northwestern part of the GGRB (Figures 1, 11) . The field produces gas from slightly overpressured, lenticular fluvial sandstones of the Upper Cretaceous (Maastrichtian) Lance Formation (e.g., Robinson et al., 1995 Robinson et al., , 1996 Montgomery and Robinson, 1997; Robinson, 2000; Hanson et al., in press; Dubois et al., in press ). Through October 2003, Jonah field has produced approximately 891.1 bcf gas, 9.0 MMBO, and 2.8 million bbl water from approximately 530 completed wells; daily production as of October 2003 was approximately 705 mmcf gas and 6.3 million bbl oil and 4.3 million bbl water (WOGCC). Gas-in-place estimates vary; however, Dubois et al. (in press) has suggested as much as 8.3 tcf gas in place. Figure 9 . Regional map of the Greater Green River basin of southwest Wyoming illustrating water production, in the form of water/ gas ratio for Cretaceous reservoirs. Data from approximately 6500 wells were used to compute barrels of water per million cubic feet of gas. Water production volumes more than 1.5 bbl water/mmcf gas reflect the production of formation water. Water/gas ratios are overlain on a form-line structure contour map on the Mowry Shale. Figure 10 . Cumulative frequency curve describing the distribution of gas wells and cumulative gas production as a function of water/gas ratio expressed in barrels of water/million cubic feet of gas for gas wells producing from Tertiary -Cretaceous reservoirs in the GGRB. Approximately 7888 gas wells contribute to this plot. Phase considerations suggest that the maximum volume of water that can be accounted for by condensation in the gas stream ranges from approximately 0.15 to 1.5 bbl water/mmcf gas. Wells producing at water/gas ratios in excess of these maximum values are clearly producing free formation water. If a benchmark of 1.5 bbl water/ mmcf gas is considered, approximately 35% of the gas wells in the GGRB have gas/water ratios less than 1.5 bbl water/mmcf gas. These wells account for approximately 56% of the gas production in the GGRB. Hanson et al. (in press) describe the details of the Jonah trap. Lateral seals are provided by the west fault and the south Jonah fault, and a top seal is provided by an upper Lance shale that extends well beyond the field boundaries. The west fault is an en echelon, strike-slip fault set that is near vertical and extends to the Precambrian basement. Fault throws are up to approximately 300 ft (90 m). The west fault juxtaposes the normally pressured Lance Formation on the west with the overpressured, commercially productive Lance Formation on the east. The south Jonah fault is a complex zone of deformation containing multiple fault elements, characteristic of a dominantly strike-slip fault. Despite the lack of significant vertical offset across these faults, they form the lateral seals on the Jonah accumulation, even where there is no observable vertical displacement (Hanson et al., in press ). Hanson et al. (in press) suggest that Jonah was charged through buoyancy-driven migration that resulted in both gravity segregation as well as abrupt differences in gas productivity between adjacent fault blocks internal to the field. Buoyancy-driven migration is further supported by the suggestion of a vertical decrease in water saturation within the producing Lance Formation (Dubois et al., in press ). Cluff and Cluff (in press) studied the petrophysics of Jonah field and presented a water/ gas ratio map for Jonah field (Figure 12 ). This map highlights the role of faults in both defining the gas accumulation at Jonah as well compartmentalizing the reservoir. Cluff and Cluff (in press) relate the downdip decrease in well performance to increasing water saturation and, therefore, decreasing relative permeability to gas. Both Hanson et al. (in press) and Coskey (in press) suggest gas migration and charge occurred prior to complete burial. Coskey (in press) further suggests that the overpressures observed today most likely reflect uplift during the last 40 m.y. Similar conclusions regarding the origin of overpressure in low-permeability settings were advanced by Katahara and Corrigan, 2002. Shanley (2001, in press ) described the reservoir rocks in Jonah field and the porosity-permeability relationships for cores taken both within Jonah field as well as immediately outside the field limits. Cores from nonproductive wells immediately outside the field have reservoir rock properties identical to those found within the field, negating the idea that productive fields have substantially better rock properties than the surrounding host rock.
Hay Reservoir
Hay reservoir was discovered in 1977 and underwent significant development and production beginning in Barlow et al. (1994) with supplemental data from Cardinal and Stewart (1979) and Miller et al. (1992) . Recent field developments at Jonah and Pinedale postdate Barlow et al. (1994) . Conservative EUR estimates for these fields have been added. **RSU = Rock Springs uplift. (Figure 1 ). The field produces gas from overpressured, deep-water submarine fan deposits in the Upper Cretaceous (Maastrichtian) Lewis Shale that stratigraphically pinch out in an updip structural direction (e.g., Shannon, 1985, 1989; Shannon, 1992; Anderson, 1994) (Figure 13 ). Through September 2003, Hay reservoir has produced approximately 149.3 bcf gas, 2.4 million bbl oil, and 297 million bbl water from approximately 59 completed wells; daily production as of September 2003 is approximately 11.4 mmcf gas and 132 bbl oil, down from peak daily production rates of approximately 34.1 mmcf gas and 577 bbl oil in October 1993 (WOGCC). Shannon (1985, 1989 ) recognized several discrete reservoir-bearing submarine fan lobes, each of which pinches out in an updip direction; two of these lobes, the F and G, are the principal reservoirs in the field. Mapping of movable hydrocarbon pore volume in the major lobes (F and G of Shannon, 1985, 1989) indicates that the most productive wells are located toward the updip portions of the sandstone lobe, with production quality decreasing in a downdip direction. Reservoir porosity ranges from 5 to 12%, and permeability (K g ) ranges from 0.01 to 0.35 md (Shannon, 1992; Anderson, 1994) . In an attempt to address the interrelationship between capillary pressure, relative permeablity, and producible limits, Shannon (1985, 1989) constructed pseudo-capillary pressure and relative permeability curves from wireline-derived water saturations. Although this work predated the understanding of permeability jail that exists today, their data clearly indicated decreasing water saturations in an updip direction. Similar observations regarding water saturation profiles were made at Hay reservoir by Henry et al. (1999) and by D. Wheeler (2003, personal communication) in an integrated study of Hay reservoir incorporating a high-quality three-dimensional seismic survey. Consideration of EUR, hydrocarbon pore volume, and water saturation indicates that the present downdip limit to production is approximately coincident with a water saturation of between 40 and 45% (D. Wheeler, 2003, personal communication) . This decrease in EUR is well understood in light of Figure 6 , which illustrates the change in relative permeability as a function of water saturation in low-permeability reservoirs. Wells drilled in a downdip position at Hay reservoir are still in the gas column; however, they lack effective permeability to gas. Shannon (1985, 1989 ) suggested a gas column of approximately 2500 ft (760 m) at Hay reservoir with only the upper 900 ft (270 m) having sufficient effective permeability to gas to allow for production. Our work suggests that only the upper 750 ft (230 m) of gas column may have effective permeability to gas. Doelger and Morton (1999) observed the same downdip decrease in both production quality and gas saturation seen by Shannon (1985, 1989) ; however, they interpreted this to reflect limited hydrocarbon charge. We suggest that the decrease in production quality cannot be used to comment on the effectiveness of hydrocarbon charge; instead, the downdip decrease in gas saturation and production quality reflects the interplay of relative permeability and water saturation in a low-permeability gas reservoir. Figure 13 illustrates the trapping elements of Hay reservoir.
Standard Draw-Echo Springs
The Standard Draw-Echo Springs-Coal Gulch field area is located in the Washakie basin portion of the GGRB Figure 12 . Water/gas ratio map for Jonah field expressed in barrels of water per thousand cubic feet of gas. Dew-point calculations at Jonah suggest that approximately 0-1.5 bbl water can be accounted for as water of condensation. Water/ gas values in excess of 1.5 bbl/mmcf gas are indicative of produced formation water.
( Figure 1 ). Field discoveries occurred during the period 1977 -1978. Although Standard Draw, Echo Springs, and Coal Gulch remain distinct production units, they are geographically and geologically contiguous and are considered here to be a single field. Standard Draw-Echo Springs is an updip, stratigraphic trap that is draped in a strike direction across the broad Wamsutter arch (Figure 14) . The field produces gas Productive wells are focused near the southwestern limit of the sand, which pinches out in an updip direction. (B) Cross section with a basal datum extending across Hay reservoir. Notice that the highest cumulative production occurs near the updip pinch-out of the reservoir sand. To the northeast, reservoir thickness increases; however, production falls as water saturation increases, causing a precipitous drop in effective permeability to gas. from overpressured, shoreface, and barrier-island deposits (sometimes referred to as the Almond bar), as well as from isolated fluvial sandstones (main Almond or upper Almond) in the Upper Cretaceous (Maastrichtian) Almond Formation (e.g., Burch and Cluff, 1997; Horn and Schrooten, 2001; . Through October 2003, the Standard Draw-Echo Springs field area had produced approximately 975.7 bcf gas, 17.3 million bbl oil, and 4.2 million bbl water from approximately 521 wells; daily production is approximately 155.9 mmcf gas, 1990 bbl oil, and 2233 bbl water. Expected ultimate recovery for the field area exceeds 1.4 tcf gas. Burch and Cluff (1997) demonstrate a close relationship between EUR, gas in place, storage capacity, and net sand thickness (Figure 14) . With regard to the upper Almond shoreface and barrier-island reservoir, isopach maps of net sandstone as well as storage capacity clearly delineate the field boundaries and demonstrate the updip pinch-out of reservoir-quality sandstone. In general, wells with the greatest productive capacity are located in areas with thick reservoirquality sandstone along the crest of the Wamsutter arch. Reservoir porosity ranges from 7 to 15%, and permeability ranges from 0.01 to 1.5 md. The downdip extent of the upper Almond reservoir is controlled by the extent of reservoir-quality rock. Burch and Cluff (1997) noted that the downdip extent of reservoirquality rock equates to a horizontal surface, suggesting a paleo -gas-water contact and early gas charge. Basin modeling by Hanson et al. (1994) suggest gas charge between 40 and 50 Ma. The shoreface and barrierisland trend can be mapped north and south of Standard Draw-Echo Springs; however, a change from kaolinite to illite cements and increasing water saturation result in a decrease in K g and K eg . These observations suggest continued diagenesis and loss of reservoir quality adjacent to the field following initial gas charge. This further supports the necessity of a conventional trap for both emplacement and production of gas from these low-permeability reservoirs.
In addition to the upper Almond reservoir, significant production at Standard Draw-Echo Springs has developed beneath and to the west of the shoreface sandstones in isolated fluvial sandstones of the main Almond (Horn and Schrooten, 2001; ). These reservoirs average approximately 0.75 bcf/well and enjoy favorable economics, especially given the infrastructure of the upper Almond reservoir. The main Almond is a low net/gross fluvial system in which reservoirs are located in stratigraphically isolated sand bodies ranging from approximately 10 to more than 40 ac (0.04 to more than 0.16 km 2 ) in areal extent. The trapping element for the main Almond is provided by the isolated nature of the sand bodies themselves as well as a basinward facies change from coastal-plain deposits to shoreface and barrier-island deposits; the contact between these two depositional facies is a transgressive surface. Toward the base of the main Almond, the Almond interfingers with higher net/gross, coarser grain fluvial deposits of the Ericson. It is not uncommon for well tests of the laterally extensive reservoir bodies of the Ericson to encounter significant water production. We interpret this water production to reflect the more conventional reservoir properties associated with coarser grained strata resulting in better effective permeability to water as well as a lack of trapping geometry in the higher net/gross Ericson fluvial sandstones.
Swan-Blue Forest
Swan-Blue Forest field is located on the Moxa arch in the western part of the GGRB. The Moxa arch is a south-plunging anticline extending 120 mi (190 km) from the LaBarge platform in the north to the Uinta Mountains to the south (Figure 1 ). Swan-Blue Forest was initially discovered in 1970 (Walters, 1992) ; however, significant field development did not occur until the mid-1980s. The primary reservoir in the field is the Lower Cretaceous Dakota and Muddy sandstones, interpreted as a northeast-southwest-trending transitional marine sandstone associated with the Shell Creek transgression ( Figure 15) ; Dolson et al. (1991) interpreted the Dakota and Muddy as a lowstand shoreface deposit. The Dakota and Muddy reservoir is overpressured (0.53 psi/ft; 11.988 MPa/km), with almost no associated water production. Through July 2002, SwanBlue Forest has produced approximately 312 bcf gas, 8.2 million bbl oil, and 194 million bbl water from approximately 77 producing Dakota wells (data from IHS Energy, Rocky Mountain Production Data CD). Average well performance amounts to 4.1 bcf gas, 106 million bbl condensate, and 2.5 million bbl water; the best wells in the reservoir will ultimately recover in excess of 20 bcf gas.
A map of the reservoir-bearing interval indicates that the northeast-southwest -trending Dakota and Muddy can be traced along depositional strike for a distance of more than 12 mi (19 km) with a width of approximately 4 mi (6 km). The seaward edge of the sand body is fairly straight, whereas the landward edge is more irregular. The reservoir-bearing sandstones parallel structural strike and pinch out to the northwest into marine shales, making Swan-Blue Forest a classic combination trap in which the shoreface reservoir is draped across a prominent arch (Figure 15 ). The trap style observed at Swan-Blue Forest is common for many of the fields on the Moxa arch. Reservoir quality in Swan-Blue Forest is generally better than many low-permeability, basin-centered accumulations with porosity ranging from 15 to 18% and permeability ranging from 50 to 125 md, with intervals exceeding 475 md (unstressed measurements). Because of the improved reservoir quality, many original completions were natural, with little to no additional stimulation or treatment.
Major Oil Company Exploration Program -Northern Greater Green River Basin
During the middle 1990s, a major oil company embarked on a bold test of the basin-centered gas concept. After careful review of the available material on basincenter gas and studying available data from Jonah field (at that time an emerging field), the major company determined that a large part of the northern GGRB was gas saturated. The company secured leasehold interests through participation in lease sales as well as farm-outs in a large area of Sublette County in the northwestern part of the GGRB and drilled three wells: Billy 33-16 (NWSE Sec. 16, T31N, R111W, TD 12,355 ft), Ross 33-7 (NWSE Sec. 7, T30N, R110W, TD 12,120 ft), and Paradise 23-31 (NESW Sec. 31, T31N, R109W, TD 12,270 ft). Because of the apparently pervasive gas saturation, well locations were biased by considerations of infrastructure as opposed to considerations of trap and seal (Bowker and Cotner, 1995) . All three wells penetrated the Mesaverde Formation and drilled equivalent stratigraphic sections to the producing intervals at the nearby Jonah field (Figure 1 ). Despite scattered gas shows while drilling and extensive efforts to stimulate the wells, significant production was not established in any of the three wells. Data released on this drilling program indicate that all three wells encountered reservoir-quality rock of similar porosity and permeability to that found in the Jonah field (Bowker and Cotner, 1995) . Furthermore, detailed analysis of vitrinite profiles indicated a similar burial history for the three wells as is derived for Jonah field, suggesting that productivity at Jonah field is not related to enhanced local gas generation or some anomalous thermal condition. Available data suggest that although the wells encountered gas shows, suggesting some degree of gas charge, and comparable reservoir rock to that found in producing fields, they did not encounter a trapping configuration sufficient to cause a large accumulation to exist. The gas shows are attributed to having encountered small, subeconomic stratigraphic traps in the nonmarine rocks of the Lance and Mesaverde intervals as well as intervals with high water saturation that gave up gas shows as the pore structure was destroyed during drilling. Tests of these intervals either resulted in depletion on test or encountered a lack of productivity, most likely because of low effective permeability to gas.
ASSESSMENTS OF GAS RESOURCES IN LOW-PERMEABILITY, ROCKY MOUNTAIN SANDSTONES
Resource assessments of natural gas attempt to quantify a state of knowledge regarding a geologic province, at a particular point in time, and provide guidance for public policy issues such as national energy policy and land-use planning. The Rocky Mountain region is broadly Figure 14 . Maps illustrating the nature of the updip stratigraphic trap that controls the vast majority of production from the upper Almond reservoir in the Standard Draw-Echo Springs trend (modified from Burch and Cluff, 1997) . (A) Inset from a regional structure map across the Wamsutter arch illustrating the location of the Standard Draw-Echo Springs area along the crest of the arch. The north and south limits of the field occur at a structural elevation of approximately À 3100 ft ( À 945 m) subsea. (B) Isopach map of net sandstone thickness in the upper Almond with greater than 10% effective porosity. Contour interval is 4 ft (1.2 m). This map clearly identifies the trend of the upper Almond parasequences and illustrates both the basinward (structurally updip) pinch-out into marine shales and siltstones, as well as the landward (structurally downdip) pinch-out into coastal-plain deposits. (C) Isopach map of gas in place for the upper Almond reservoir-bearing interval. Note the abrupt truncation at both the north and south ends of the field caused by high water saturation and low effective permeability to gas. These limits may reflect a paleo -gas-water contact. Contour interval is 4 mmcf gas/ac. These maps illustrate a classic stratigraphic trap geometry in which reservoir-quality sandstones pinch out in a basinward direction that is presently in an updip structural position. Additional drilling into the deeper main Almond has occurred throughout much of the Standard Draw-Echo Springs area. Production from these reservoirs is found in stratigraphically isolated fluvial-and estuarine-channel deposits.
characterized by low-permeability reservoirs, widespread gas shows while drilling, and limited produced water. Gas production is generally viewed as being controlled by sweet spots in relatively homogenous, gassaturated host rock as opposed to being dominated by conventional traps similar to more traditional oil and gas provinces. These observations have supported a view that large portions of these basins are gas saturated, which necessitated an evaluation methodology different from those used in conventional oil and gas provinces. There are two primary assessment techniques currently in use for these basin-centered areas. One assessment technique is to derive an understanding of gas in place through consideration of hydrocarbon pore volume. This is broadly the approach followed by the Department of Energy and the National Energy Technology Laboratory (DOE and NETL) (Boswell et al., 2002b) . The other approach is to first determine whether a petroleum system contains a continuous gas (i.e., basin-centered) accumulation. If gas accumulations are thought to be continuous, then a more statistical view of the basin is taken in which cells are aggregated and integrated with concepts related to production rate, drilling success, drainage area, and likelihood of a sweet spot occurring to produce an estimate of the gas resource. This is broadly the approach followed by the U.S. Geological Survey in their assessments of continuous gas provinces. In low-permeability reservoirs such as those found in many of the Rocky Mountain basins, the consequences of using either approach have inevitably led to very large estimates of either gas in place or technically recoverable gas (see Table 4 for a summary of resource estimates).
One of the earliest efforts to quantify the resource associated with low-permeability gas accumulations in the Rocky Mountain region was by the SupplyTechnical Advisory Task Force (1973), on behalf of the Federal Power Commission. This effort suggested large volumes of gas in the GGRB (240 tcf gas), the Piceance basin (149 tcf gas), and the Uinta basin (207 tcf gas). Kuuskraa et al. (1978) estimated a resource of 241 tcf gas in place in approximately eight Rocky Mountain basins, with some 91 tcf gas in place in the GGRB alone. Also in 1978, the Federal Energy Regulatory Commission reviewed previous estimates of low-permeability resources (Supply-Technical Advisory Task Force, 1978) and augmented them with approximately 63 tcf gas in place in the San Juan basin, bringing the total resource to some 663 tcf gas in place in the Rocky Mountain region.
In 1980, the NPC estimated the resource in tightgas reservoirs (defined as reservoirs with less than 1.0 md permeability) at approximately 256 tcf gas in place across six basins, with 136.1 tcf gas in place in the GGRB alone. The NPC (1980) estimated economically recoverable gas to range from 35.2 to 50.2 tcf gas in these same six basins (base case and advanced case at $2.50/mmcf ) with 3.1 -12.3 tcf recoverable gas estimated for the GGRB. An early assessment of lowpermeability resources in the Piceance basin by the U.S. Geological Survey (Johnson et al., 1987) suggested 423 tcf gas in place, and a similar assessment for the GGRB suggested 73 tcf gas to be recoverable under the current conditions and 5063 tcf gas in place for the GGRB as a whole. More recent efforts to describe the low-permeability resources in the GGRB include a revision of previous work by the NPC, which suggested an undiscovered resource of 56.21 tcf gas (NPC, 1992) , and the Gas Technology Institute (GTI), which estimated an undiscovered resource of 55.9 tcf gas (Doelger and Morton, 1999) .
In an effort to be more scientifically rigorous and to provide guidance for public policy, the U.S. Geological Survey undertook and completed a national assessment of petroleum resources, including unconventional, continuous-type gas accumulations (Gautier et al., , 1996 . Within the category of continuous-type accumulations, resource estimates were based on subdivision of an area into cells in which cell sizes reflected the median drainage area for producing wells in the play type under investigation. The cells were assigned a distribution of potential gas recovery volumes at varying probabilities of success. For many of the continuoustype accumulations for which resource assessments were done, the average probability of success (of finding technically recoverable gas) exceeded 65% (e.g., Gautier et al., , 1996 Attanasi, 1998; Dyman et al., 1998) . Economic scenarios were then constructed to determine how the recoverable resource varied with changing cost of supply considerations (e.g., Attanasi, 1998) . The suggestions of this work were clear. The quantity of recoverable gas was thought to be very large and varied directly with product price as well as improvements in drilling and completion technology.
In the Rocky Mountain region, the U.S. Geological Survey suggested a mean recoverable resource of 160.5 tcf gas, 568 million bbl oil, and 1829 million bbl of natural gas liquids (NGL) across four sedimentary basins in unconventional, continuous-type accumulations hosted in sandstone reservoirs. The U.S. Geological Survey suggested an average project success rate in excess of 60%, leading to a risked resource of approximately 96 tcf gas, 341 million bbl oil, and 1097 million bbl NGL. This was followed in 1996 by an assessment of the Wind River basin (Johnson et al., 1996) that identified a mean in-place resource of approximately 995 tcf gas. More recently, the U.S. Geological Survey has conducted additional detailed geologic studies and new assessments of several key basins, including those basins with large unconventional resource potential. These studies suggest that continuous-type sandstone reservoirs contain mean, undiscovered resources of approximately 80.6 tcf gas and 2500 million bbl NGL in the Green River basin of southwest Wyoming, 18.8 tcf gas and 33.4 million bbl NGL in the Uinta and Piceance basins, and 26.2 tcf gas and 144.4 million bbl NGL in the San Juan basin (Kirschbaum et al., 2002a, b; Ridgley et al., 2002) . The U.S. Geological Survey has extended their assessment of continuous-type accumulations outside the Rocky Mountain region. In the Appalachian basin, for example, Milici et al. (2003) has suggested mean, undiscovered gas resources of approximately Gautier et al. ( , 1996 ; estimates shown here do not include any resources attributed to fractured shale or coal-bed gas resources 57.6 tcf gas and 833 million bbl NGL in continuoustype accumulations associated with sandstone and shale reservoirs; in excess of 75% of these resources are assigned to low-permeability sandstone reservoirs. The U.S. Geological Survey is not alone in the very large resource estimates assigned to these lowpermeability targets in the Rocky Mountain region. The Gas Research Institute (GRI) has estimated a new field gas potential in low-permeability reservoirs in the Rocky Mountain region to exceed 206 tcf gas (Cochener, 2000) . The Potential Gas Committee (PGC) does not specifically address gas resources in low-permeability sandstone reservoirs; however, they have suggested a most likely resource of 18.4 tcf gas in the GGRB, 30.6 tcf gas in the Uinta and Piceance basins, 12.2 tcf gas in the San Juan basin, and 6.7 tcf gas in the Wind River basin (PGC, 2003) , much of which is thought to be contained in low-permeability, so-called basincentered accumulations. A recent review by the GTI suggested that in 1998, production from tight-gas sands in the United States comprised almost 70% of gas production from all unconventional gas resources and accounted for as much as 19% of total gas production from all sources (Prouty, 2001 ). This same study suggested that total producible tight-gas resources in the United States exceed 625 tcf gas, with an economically recoverable resource of almost 185 tcf gas. Recognizing the difficulties inherent to resource estimation related to economic considerations, the DOE and NETL recently announced a gas-in-place estimate for the GGRB of 3013 tcf gas and a gas-in-place estimate for the Wind River basin of 1332 tcf gas (Boswell et al., 2002a, b) . Virtually every effort to quantify gas resources in lowpermeability formations, particularly in the Rocky Mountain region has concluded that very large natural gas resources remain to be exploited.
As a result of these very large resource estimates, low-permeability, basin-centered resources are expected to become a significant part of the nation's future energy portfolio. The GTI, for example, suggests that year-end gas reserves in low-permeability rocks will more than double by the year 2015 (Cochener, 2000) , and that annual natural gas consumption could rise to 32.7 tcf by 2015, accounting for 28% of the United States' energy consumption (Prouty, 2001 ).
Implications of this Work to Resource Assessments
The initial economic modeling of Attanasi (1998) suggested that although there might be large technically recoverable gas resources in low-permeability strata, much of the gas was not economic under the assumptions presented. The implication of this work, however, was clear. Because these were perceived to be continuous gas accumulations, improvements in drilling and completion technology or product price would allow additional technically recoverable gas to become economic, and the nation was richly endowed with technically recoverable gas in low-permeability strata. Most forecasting groups in the United States (including the Department of Energy and Energy Information Agency) have assumed that a very large volume of unconventional, basin-centered natural gas is available at relatively high probabilities of success. The starting volumes for many of these econometric models are similar to or based on the mean resource value suggested by the U.S. Geological Survey derived from its assessment efforts (e.g. EIA, 2003) .
Our work in the GGRB, however, suggests a very different set of conclusions regarding resource estimates.
The widespread occurrence of gas shows while drilling and the lack of produced water does not imply a vast area of gas-saturated rock. Many of these gas shows reflect sandstones with minor, residual gas saturation (i.e., high water saturation) and negligible effective permeability to gas in which drilling has destroyed the pore system liberating minor amounts of gas as shows. Other gas shows record the presence of a large number of very small stratigraphic traps. We suggest, based on the geometry of the fluvial sand bodies, that many of these small traps are likely to contain less than 0.1 bcf gas in place and may well contain less than 0.05 bcf gas in place. The geologic conditions that cause this have already been described. Because of relative permeability considerations, unless reservoirs are charged to water saturations typically less than 40 -50%, there is insufficient effective permeability to gas to allow for gas production under virtually any economic scenario. Finally, our work suggests that virtually all significant gas fields in the GGRB occur in conventional traps. The only fundamental distinction between the conventional traps in the GGRB and those that are described in conventional oil and gas provinces is that the reservoir rock in the GGRB has low permeability.
Resource assessments predicated on the notion of a continuous gas accumulation have likely overestimated the size of natural gas resources in lowpermeability reservoirs in the GGRB by a substantial amount. Our work illustrates that (1) the distribution of gas fields is controlled by an understanding of conventional traps; (2) natural gas located in reservoirs at high water saturations (i.e., permeability jail) cannot be recovered because of effective permeability considerations, unless the pore system is destroyed (i.e., drilled and crushed), and the gas is liberated; (3) as in all conventional oil and gas provinces, there are large areas that lack significant trapping geometries and therefore are unlikely to hold significant volumes of gas; and (4) similar to all oil and gas provinces worldwide, there are a large number of very small gas fields, too small to support full-cycle exploration and development. In this regard, we suggest that the gas resources in the GGRB have a field-size distribution similar (in concept) to conventional oil and gas regions.
An understanding of the potential resources in the GGRB, as well as other basins thought to contain basincenter gas resources, cannot rest on the continuous-type evaluation strategy. Models that incorporate discovery process, field-size distributions, and an appreciation for the elements needed to assess source, migration, reservoir, trap, and seal are needed to more clearly understand the resource potential of the GGRB and other low-permeability regions. Our work should not be taken to suggest that exploration and production opportunities in these low-permeability settings are lacking. On the contrary, substantial portions of these basins remain lightly explored, and these regions have attractive source, reservoir, and seal considerations that warrant continued exploration. The understanding of a diverse set of trap styles that can occur in basins such as the GGRB should provide ample opportunity for exploration and development.
CONCLUSIONS AND FUTURE DIRECTIONS
1. Exploration efforts in low-permeability settings must be deliberate and focus on fundamental elements of hydrocarbon traps. We suggest that significant gas reserves will not be extracted simply through improved completion and drilling technology or by improved product prices. Improvements in completion and drilling technology will allow well-identified geologic traps to be fully exploited, and improvements in product price will allow smaller accumulations or lower rate wells to exceed economic thresholds. These elements are true in virtually every petroleum province. 2. Petrophysics is a critical technology required for understanding low-permeability reservoirs. Lowpermeability reservoirs behave in a fundamentally different manner than more traditional reservoirs.
Understanding the relationships between depositional fabric, pore geometry, and routine vs. effective permeability, all under conditions of overburden stress, are required to predict low-permeability reservoir performance. A better understanding of the relationship between rock fabric and gas productivity requires careful investigations into multiphase permeability under conditions of varying water saturation and net-overburden stress, as well as an analysis of capillary pressure and net-overburden stress. The lack of widespread water production does not imply that vast areas of a sedimentary basin are at irreducible water saturation. Instead, it implies a complex, effective permeability-to-gas relationship. Water production, at levels well in excess of condensation from the produced gas stream, occurs in many gas fields in the GGRB. 3. Low-permeability reservoir systems such as those found in the GGRB are not examples of basin-center or continuous-type accumulations, nor are they a unique type of petroleum system as some have suggested. We suggest that the only truly continuoustype gas accumulations are to be found in hydrocarbon systems in which gas entrapment is dominated by adsorption. Perhaps the most clearly understood and well-documented examples include coal-bed methane, some oil-prone source rocks, and some organic-rich shales. 4. Resource assessments of these regions have assumed that a continuous, gas accumulation exists across a large area locally interrupted by the development of sweet spots. Our work suggests, however, that this viewpoint is at odds with the reservoir characteristics of low-permeablity reservoirs, and we find little support for this model. Much of the gas that is in lowpermeability reservoirs is in subeconomic traps (isolated, small point-bar sandstones, for example) or at gas saturation levels too low to have significant effective permeability. Changes in drilling technology, completion technology, and product price are not going to change effective permeability. Significant production is dependent on the presence and identification of conventional traps. Existing resource estimates, therefore, are likely to have been substantially overestimated. 5. Resource assessments in these low-permeability basin-centered regions must recognize the reservoir properties inherent to these rocks and should integrate the necessary concept of source, reservoir, trap, seal, migration, and charge. As a result, resource assessments of these low-permeability, basin-centered areas should be done in a manner consistent with the assessment of conventional oil and gas systems. Fieldsize distributions, an understanding of the discovery process, analog studies, and risk assessment of the independent variables central to petroleum systems must be incorporated; they should no longer be assessed in a purely statistical manner. The available data clearly indicate that the accumulations are neither random nor simply the occurrence of somewhat improved rock quality, nor simply the result of improved drilling and completion technology. 6. The nature of the petroleum systems within basins such as the GGRB is not well understood nor well documented. Early models suggested that organic deposits intercalated with reservoirs are the source rocks, and that generation rates in excess of leakage (diffusion) are responsible for the overpressures observed in many of these types of basins today. Although these models are appealing, due to simplicity, they do not accurately address many aspects of the petroleum system that are probably in effect.
The role of uplift is poorly described in these basins, particularly as it relates to the generation of overpressures and the exsolution of gas. Understanding of this in a quantitative sense could provide insights to gas charge and trap timing. Permeability jail is an emerging concept that offers insights to low-permeability reservoir behavior and elegantly explains many of the observations made in basincentered areas. However, understanding how to integrate this concept with more traditional rocktyping methods and applying those learnings to subsurface data sets is still emerging. It is likely that integration of these concepts will advance our petrophysical understanding well beyond the more traditional rock-typing methods that have dominated the scene for many years.
